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1. Introduction

The electric power industry in the U.S. is at a crossroads. Many of the nation’s generating
plants are over forty years old and in need of upgrades to continue operating efficiently.
The transmission grid is also in need of reinforcement and expansion. At the same time,
the risks associated with climate change are forcing us to consider quantum shifts in the
way we generate and use electricity.

Some proposals to address climate change assume that because coal is relatively
abundant in the U.S., it must play a key role in our electricity future. Typically, these
proposals include massive investment to develop technologies to decarbonize coal and/or
remove CO, from coal combustion gases. Similarly, many proposals assume that because
nuclear generation does not emit CO, directly, additional nuclear plants must be a part of
the solution. This assumption has led to new subsidies and large government loan
guarantees designed to revive the U.S. nuclear industry.

However, coal and nuclear power come at a high price. New rules enacted to protect public
health will require billions of dollars in new emission control equipment at old coal-fired
plants. These controls would reduce SO,, NO,, and mercury emissions but would do
nothing to reduce CO, emissions. The environmental impacts of mining coal are massive
and well documented, and the recent tragedy in West Virginia has brought attention back to
the health and safety risks of mining. Mountain top removal presents different risks and
costs to communities where it is employed. Coal ash wastes present additional costs and
risks to communities around the country. Nuclear power produces high-level radioactive
waste, and the nation still has not established a long term repository for that waste. For the
indefinite future, the waste will be stored throughout the country at the power plants
themselves. The risk of accidents would also increase with additional nuclear plants, and
while the nuclear industry assures us that these risks are vanishingly small, history argues
that they are not.

This study challenges the assumptions that coal and nuclear power must be key parts of
our response to climate change. We investigate a scenario in which the country transitions
away from coal and nuclear power and toward more efficient electricity use and renewable
energy sources. Specifically, coal-fired generation is eliminated by 2050 and nuclear
generation is reduced by over one quarter. We perform a simple and transparent analysis
of the costs of this strategy relative to a “business as usual” scenario, which includes
expanded use of coal and nuclear energy. We also estimate the reductions in air emissions
and water use that would result from this strategy. We do not quantify other benefits of the
strategy, such as reduced solid waste from coal and nuclear plants or reduced
environmental impacts from mining.

The goal of the study is to provide a highly transparent and objective analysis of the cost of
moving away from coal and nuclear energy and toward efficiency and renewables. Toward
this end, we have used cost data from actual recent projects wherever possible rather than
from researchers’ estimates or industry targets. We include in our analysis the costs of
integrating large amounts of variable generation into the nation’s power system and the
cost of new transmission needed to deliver renewable energy to load centers. The study is



a high-level view of a nationwide strategy, and it is designed to help identify areas where
more detailed analysis is needed.

This work is motivated by a simple realization. The need to reduce CO, emissions will force
a major retooling of the electric industry. If we retool around coal and nuclear energy, we
will exacerbate a number of environmental, health, and safety problems. If we retool with
efficiency and renewable energy, we will largely eliminate those problems. Moreover, the
traditional arguments against renewable energy are no longer valid. Energy efficiency and
several renewable technologies now cost less than new coal and nuclear plants in terms of
direct costs—ignoring the externalized costs of coal and nuclear energy. Additionally,
efficiency and renewables are already in commercial operation, so the technology
development and commercialization challenge of retooling with these technologies appears
smaller than the challenge of developing low-carbon coal technologies and a new fleet of
nuclear plants.

Moreover, there is no rush to build additional capacity. Surplus generating capacity in every
region of the country provides us the time to carefully and systematically increase
investment in renewables and energy efficiency while we reduce investment in coal-fired
and nuclear power.

Section 2 of this report outlines the methodology and key assumptions. Section 3 presents
the results for the U.S. as a whole, and Section 4 presents results on the regional level.
Section 5 summarizes our conclusions. Appendix A describes our methodology in greater
detail, and Appendix B describes our assumptions about the cost and performance of
technologies in the Transition Scenario. Appendix C shows presents data in tabular form
from selected charts in the report.



2. Methodology and Assumptions

This section briefly describes the methodology of this study and our key assumptions. The
methodology is discussed in more detail in Appendix A, and the assumptions, in Appendix
B.

A. Methodology

Our method is essentially a spreadsheet-based analysis of regional energy balances. We
began with data from the 2010 Annual Energy Outlook (AEO), released by the Energy
Information Administration (EIA) in December 2009. Each year EIA uses the National
Energy Modeling System (NEMS) to model a “Reference Case” energy scenario. EIA then
analyzes various policy proposals by modeling the policy and comparing the results to the
Reference Case. The AEO 2010 simulates U.S. electricity production and use through
2035.

The steps of our methodology are laid out briefly here and discussed in more detail in
Appendix A.

e First, we developed our Reference Case by extrapolating the AEO 2010 data on
demand, generation by fuel, capacity additions and emissions from 2035 through
2050. We did this based on average rates of change during the AEO study period.

¢ Second, we developed cost and performance assumptions for each resource type.
We did this based on an extensive review of the current literature and on electric
industry data that Synapse maintains. We used the AOE 2010 costs for very few
technologies, primarily because these data do not appear to account for recent
escalations in construction and materials costs.

e Third, electricity loads were reduced from the AOE 2010 loads to simulate a
concerted, national effort to become more energy efficient.

e Fourth, we developed a scenario in which all coal and as much nuclear capacity as
possible is phased out by 2050 — the Transition Scenario. We did this in an iterative
way. Coal-retirement and renewable energy development scenarios were sketched
out for each region based renewable technology cost data and each region’s
resources. Coal-fired capacity was retired at a rate that would not result in
unrealistic development scenarios or costs. After rough scenarios were sketched
out, the costs of new technologies over the study period were refined, based on the
amount of capacity added nationwide. Then capacity additions were refined again,
and so on.

o Fifth, we assessed the amount of generating capacity relative to load throughout
the Transition Scenario. To do this, we used data from utility efficiency programs to
estimate the impact of efficiency on peak loads and compared peak loads
throughout the study period to capacity, with wind and solar capacity derated.

e Sixth, we estimated the incremental cost of transmission upgrades in the Transition
Scenario. In this scenario, new investment is needed in transmission capacity to
support increased interregional energy flows. We compared interregional transfers



in the Reference and Transition Cases and estimated the cost of the new
transmission capacity necessary to accommodate the incremental flows.

e Seventh, we estimated the savings the Transition Scenario would provide from
avoided emission control investments at coal-fired plants. Three federal regulations
have been promulgated that will require new emission controls at existing coal-fired
power plants: the Clean Air Interstate Rule (CAIR), the Clean Air Visibility Rule
(CAVR), and the Clean Air Mercury Rule (CAMR). We assume that plants
committing to retire in the 2010 to 2020 period would not be required to install
controls pursuant to these rules. We estimate the avoided cost using assumptions
about the cost of control and the number of control systems avoided. See Appendix
A for more on this calculation.

e Finally, we calculated the net cost of the Transition Scenario relative to the
Reference Case. To do this, we calculated the cost of each resource that was
utilized differently in the two cases. Resources that generated the same amount of
energy were not included in the cost analysis, as the net cost of these resources
would be zero. We then subtracted the cost of the Reference Case from that of the
Transition Scenario to determine the net costs. Costs are analyzed over the study
period in constant 2009 dollars. Further, we focus on the total direct costs of
generation to society. This means that, first, we do not include the effects of
subsidies and tax incentives in the costs of generating technologies. Second, it
means that we have not included “externalized” costs, such as the health effects of
pollution from power generation or the environmental impacts of coal mining.
Perhaps the most important cost we have ignored is that of carbon emissions. The
Transition Scenario reduces CO, emissions over the study period by a cumulative
55 billion tons. If a dollar value were placed on these reductions, it would change
our net cost estimate dramatically.

B. Cost and Performance Assumptions

In developing cost and performance assumptions for the Reference Case and the
Transition Scenario, we have been guided by a number of recent studies. This section
briefly presents our assumptions about each resource and conversion technology and the
information on which we base those assumptions. See Appendix B for a more detailed
discussion.

One factor we have been careful to capture in our assumptions is the increased cost of
construction and many construction inputs over the last five years. A number of articles and
cost indices document these cost increases (see, for example, Wald 2007). The Union of
Concerned Scientists (UCS) assessed the increases thoroughly for its Climate 2030 study,
reviewing actual project data and several construction cost indices. They found real cost
increases of “50 to 70 percent since 2000, with most of them occurring after 2004” (see
UCS 2009, Appendix D). These increases have affected nearly all types of new power
plants.

There is some evidence that construction and materials costs are beginning to fall, perhaps
as a result of the global recession. Thus, our 2010 cost assumptions reflect higher current
construction and materials costs, and we assume a trend back to historical levels by the



midpoint of this decade. For the capital-intensive technologies with long construction
periods (nuclear, coal, geothermal and biomass), we have raised installed costs in 2010 by
roughly 20% as it appears that most of our sources have captured some, but not all of the
construction cost increases. For less capital intensive technologies, like combined-cycle
combustion turbines, 2010 costs are 10% above historical levels. In both cases, capital
costs return to historical levels during the next decade.

Beyond falling near-term construction costs, our costs trajectories are largely a function of
capacity additions. For less mature technologies, where much more capacity is added in
the Transition Scenario than the Reference Case, costs fall faster in the Transition
Scenario than the Reference Case. This is consistent with the way that cost trajectories are
determined within NEMS, however we do not use the function NEMS uses to determine
future costs. Our future costs are based on our review of the literature for each technology.
This allows us to have costs fall based on a wide range of opinions and forecasts for each
technology and its supply chain, rather than trying to summarize these dynamics for all
technologies in a single function. In this Section we show how costs fall with capacity
additions for each new technology.

Energy Efficiency

While energy efficiency programs have been common in the U.S. for several decades, the
potential for energy savings remains vast. In fact, as more efficient equipment has been
adopted, advancing technology has continued to provide more and more efficient solutions.
For example, compact fluorescent lights reduce energy use relative to incandescent bulbs
significantly. However, next generation technologies, like LED lighting, promise to provide
considerable savings relative to compact fluorescents.

In the Transition Scenario we envision a concerted, national effort that includes aggressive
R&D support and market transformation efforts designed to remove barriers to efficiency
and pull new technologies into markets. Over recent decades a combination of incentives
(including utility programs and tax policies) and standards (including the Department of
Energy's standards for buildings and various types of equipment) have resulted in
significant improvements. We anticipate a continuation of these efforts with increasingly
higher levels of efficiency over the coming decades. As the high end of the range of
available equipment is incrementally improved over time (through innovation driven in part
by incentives) the levels of minimum standards can be increased, cutting the poorest
performing equipment from the market entirely.

In the Transition Scenario, we envision an expansion in the scope of the nation’s efficiency
efforts as well as increasing standardization and economies of scale in the provision of
those services. We assume that these efforts begin in 2011, reducing electricity use from
Reference Case levels by 0.2% in that year. Annual savings grow to 2.0% by 2021 and
stay there for the remainder of the study period. As discussed in Appendix B, several utility
programs are currently reducing energy use by 2.0% per year, and the effects of codes and
standards provides additional savings on top of utility programs. We assume an average
total cost (utility and participant) of 4.5 cents/kWh for efficiency, based on a number of
studies (discussed in Appendix B).



wind Energy

See Appendix B for a discussion of wind energy potential and recent cost data. The most
detailed analysis of U.S. wind cost and potential was performed for the DOE’s 2008 study
20% Wind Energy by 2030 and its predecessor, AWEA’s 2007 report 20 Percent Wind
Energy Penetration in the United States (DOE EERE 2008 and AWEA 2007). Both reports
include detailed supply curves for wind energy in each of nine U.S. regions. These supply
curves are based on analyses of site types in different regions of the country. Because of
this rich regional detail, we use these supply curves as the basis of our wind buildout in the
Transition Scenario and for costs in both scenarios. However we adjust the installed cost of
wind in the 2010 supply curves to account for the increased construction costs discussed
above. AWEA 2007 uses total installed costs of 1,750 $/kW for onshore wind, and we
adjust this to 2,200 $/kW. AWEA uses 2,490 $/MWh for offshore projects and we adjust this
to 3,500 $/MWh.

See Figure 23 in Appendix B for the AWEA 2007 supply curve. The AWEA 2007 report
divides this supply curve into nine regional supply curves, and it breaks costs into: capital
costs, fixed and variable O&M, regional construction factors and regional transmission
adders.” This detail allowed us essentially to update the regional supply curves for 2010 by
increasing the installed costs and leaving the other components unchanged. Installed costs
in both scenarios fall between 2010 and 2020 based on projected decreases in
construction costs and global learning and market maturation. After 2020, installed costs
fall faster in the Transition Scenario based on the larger cumulative U.S. capacity additions
in that scenario. We assume that these additions would better develop the U.S. turbine
industry, leading to cost reductions relative to the Reference Case. The costs we use for
wind energy in the two cases as well as cumulative capacity additions are shown in Table 1
below.

Annual energy production in each region is calculated in each region based on installed
capacity and capacity factors from AWEA 2007. The supply curves from AWEA 2007 show
how lower wind classes must be tapped as more capacity is added in each region (see
Figure 23). Using these data, we decrease wind capacity factors as capacity is added in
each region, simulating the development of the best wind sites first. Thus, the levelized cost
of new wind plants over time is a function of both the falling capital costs shown in Table 1
and falling capacity factors, which are a function of capacity additions in each region. After
20 years, wind sites are assumed to be repowered with new turbines at a cost of 75% of
the current cost of a greenfield project.

" The regional construction factors capture the differing costs of construction in different regions of the
country. The factors are: 26% for the Northeast; 16% for the MidAtlantic; 12% for the Great Lakes and 6%
for the Southeast. Construction factors are not added in other regions of the country.
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Table 1. Installed Wind Costs through the Study Period

2010 2020 2030 2040 2050

Reference Case
Cumulative Onshore Cap. (MW) 39,000 66,000 68,000 75,000 86,000

Cumulative Offshore Cap. (MW) 0 200 200 200 200
Northeast Onshore ($/kW) $2,800 $2,100 $2,000 $1,900 $1,800
Northeast Offshore ($/kW) $4,400 $3,300 N/A N/A N/A
Southeast Onshore ($/kW) $2,300 $1,700 $1,700 $1,600 $1,500
Southeast Offshore ($/kW) $3,700 $2,800 N/A N/A N/A
S. Central Onshore ($/kW) $2,200 $1,700 $1,600 $1,500 $1,400
E. Midwest Onshore ($/kW) $2,500 $1,800 $1,700 $1,700 $1,600
W. Midwest Onshore ($/kW) $2,200 $1,700 $1,600 $1,500 $1,400
Northwest Onshore ($/kW) $2,200 $1,700 $1,600 $1,500 $1,400
Southwest Onshore ($/kW) $2,200 $1,700 $1,600 $1,500 $1,400
California Onshore ($/kW) $2,400 $1,800 $1,700 $1,600 $1,500

Transition Scenario
Cumulative Onshore Cap. (MW) 39,000 99,000 144,000 178,000 222,000

Cumulative Offshore Cap. (MW) 0 4,600 9,400 16,000 27,000
Northeast Onshore ($/kW) $2,800 $2,100 $1,900 $1,800 $1,700
Northeast Offshore ($/kW) $4,400 $3,100 $2,500 $2,300 $2,300
Southeast Onshore ($/kW) $2,300 $1,700 $1,600 $1,500 $1,500
Southeast Offshore ($/kW) $3,700 $2,600 $2,100 $2,000 $1,900
S. Central Onshore ($/kW) $2,200 $1,700 $1,500 $1,400 $1,400
E. Midwest Onshore ($/kW) $2,500 $1,800 $1,700 $1,600 $1,500
W. Midwest Onshore ($/kW) $2,200 $1,700 $1,500 $1,400 $1,400
Northwest Onshore ($/kW) $2,200 $1,700 $1,500 $1,400 $1,400
Southwest Onshore ($/kW) $2,200 $1,700 $1,500 $1,400 $1,400
California Onshore ($/kW) $2,400 $1,800 $1,600 $1,500 $1,500

In addition, to account for the cost of integrating wind generation into regional power
systems, we add 2 $/MWh to the cost of all wind energy when it reaches 10% of total
energy in a region. We add 4 $/MWh when it reaches 15% and 5 $/MWh when it reaches
20%. These cost adders persist throughout the study period. As discussed in Section 3,
depressing loads with energy efficiency, removing coal and nuclear generation from
regional supply mixes, increasing the size of balancing areas and expanding demand
response programs will all make it easier for regions to accommodate variable generation.
Thus, we believe it is conservative to assume that these costs persist throughout the study
period.

Photovoltaics

Current costs of PV systems are high relative to many other technologies. See Appendix B
for more on the PV potential across the country and current and historical cost data. Table
2 shows the installed costs we use for PV in the Reference Case and Transition Scenario
over the study period. By 2030, more than twice as much capacity has been added in the
Transition Scenario than in the Reference Case, and installed costs are about 13% lower
due to more assumed learning and U.S. market maturation. In addition to these installed
costs, we assume fixed O&M of 41 $/kW-yr for distributed projects and 35 $/kW-yr for
central projects. These costs do not fall over the study period. Capacity factors for new PV
rise from 23% to 27% over the study period for distributed projects and from 26% to 28%
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for central projects. After 20 years we assume that PV panels are replaced at 75% of the
cost of a new project.

Table 2. Installed Cost of PV Projects through the Study Period

2010 2020 2030 2040 2050

Reference Case

Cumulative PV Cap. (MW) 2,100 10,000 12,000 19,000 39,000

PV Distributed Cost ($/kW) $7,100 $5,000 $4,500 $4,200 $3,900

PV Central Cost ($/kW) $6,000 $4,200 $3,800 $3,600 $3,300
Transition Scenario

Cumulative PV Cap. (MW) 2,100 14,000 28,000 39,000 55,000

PV Distributed Cost ($/kW) $7,100 $4,600 $3,900 $3,700 $3,600

PV Central Cost ($/kW) $6,000 $3,900 $3,300 $3,200 $3,100

Concentrating Solar Power

Concentrating solar power (CSP), also known as solar thermal power, uses the heat of the
sun to generate electricity. CSP plants are utility-scale generators that use mirrors and
lenses to concentrate the sun’s energy to activate turbines, engines, and photovoltaic cells
to produce electricity. Maximum power is generated by CSP plants in the afternoon hours,
and this correlates well with peak electricity loads in hot climates. Unlike PV systems, which
can use diffuse, CSP systems require direct sunlight, known as “direct-normal solar
radiation.” See Appendix B for more information on CSP potential and costs.

Table 3 shows the costs we use for CSP projects in the Reference Case and the Transition
Scenarios. By 2050, almost ten times as much CSP capacity has been added in the
Transition Scenario, and installed costs are significantly lower. We used different costs In
the Transition Scenario for CSP projects with and without energy storage capacity. In the
Reference Case, we applied the average of the two costs to all CSP projects, as we do not
know what assumptions EIA makes on this point. However, we ended up modeling about
half the capacity with storage and half without in the Transition Scenario, so in this sense,
the scenarios are quite similar. The assumption about storage affects only the cost, not the
capacity factor: capacity factors for all new CSP projects rise from 38% in 2010 to 46% in
2050. In both scenarios we assume that all new CSP plants are required to use dry (air)
cooling systems.

Table 3. Capacity Additions and Installed Cost of CSP Projects through the Study Period

2010 2020 2030 2040 2050
Reference Case
Cumulative CSP Cap. (MW) 610 890 930 1,100 1,300
CSP Cost ($/kW) $5,300 $4,800 $4,700 $4,500 $4,400
Transition Scenario
Cumulative CSP Cap. (MW) 610 3,700 7,500 11,000 14,000
CSP Cost ($/kW) $4,700 $3,300 $2,800 $2,700 $2,600

CSP w/ storage Cost ($/kW) $6,000 $4,800 $3,800 $3,400 $3,300

In addition to these installed costs, we assume fixed O&M of 41 $/kW-yr for distributed
projects and 35 $/kW-yr for central projects, based on these same sources. These costs do
not fall over the study period. Capacity factors for new CSP plants rise from 38% to 46%
over the study period. After 30 years CSP projects are “repowered” at a 30% of the cost of
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a greenfield project. This is to simulate the fall in the levelized cost of energy as initial
capital costs are recovered and capital additions are incurred to replace aging components.

Biomass

A wide range of biomass fuels are used for energy production. First, there are various
waste gases, methane rich gases emitted by landfills, wastewater treatment, and animal
wastes. Second, there are solid waste streams: logging and sawmill wastes, crop residues,
food production wastes and urban wood wastes. Third are dedicated energy crops — plants
grown specifically to be used as fuel. Corn is currently the largest dedicated energy crop in
the U.S., however it is used to make liquid fuel, not to generate electricity. While there has
been considerable research on energy crops for electricity production, they are not yet
grown on a widespread basis. Research has focused primarily on switchgrass and
willow/poplar hybrids — and more recently on duckweed and water hyacinths (see Makhijani
2008).

The use of waste gases for energy production is not controversial, nor is the use of mill and
urban wood wastes. These are considered “opportunity” fuels, free or lower cost
byproducts of other activities. The use of the other biofuels listed above is extremely
controversial. Use of logging wastes removes nutrients that would otherwise return to the
soil and can exacerbate erosion problems on recently logged land. The use of crop
residues removes nutrients from croplands resulting in more fertilizer use. Devoting land to
dedicated energy crops can, in some cases, negatively impact animal habitats and/or the
scenic and recreational value of the land. And all of these fuels—timber and crop wastes
and dedicated energy crops—are typically harvested and transported by machines burning
fossil fuels.

All of these concerns about biomass as an energy fuel are legitimate, and taken together,
they lead to two important conclusions:

« First, in growing and harvesting biomass for energy use, we must carefully
consider the full range of impacts.

» And second, we must use the biomass fuels we do harvest as efficiently as
possible.

In light of these points, we are conservative in our use of this resource in the Transition
Scenario, and we utilize a significant portion of the resource in CHP plants. For
comparison, over 100,000 MW of biomass capacity is added by 2050 in the Reference
Case, while we add a total of 23,000 MW in the Transition Scenario. See Appendix B for a
discussion of the biomass potential data we have used in developing the Transition
Scenario.

For new direct fire biomass systems, we use the installed cost from AEO 2010, but we
increase this cost 20% to account for the higher construction and materials costs as
discussed above. The result is 4,400 $/kW. We assume that installed costs come down by
20% by 2020 and come down 1% per decade after that, since this is a mature technology.
We include fixed O&M of 67 $/kW-yr and variable O&M of 6.90 $/MWh and use a 2010
heat rate of 9,450 Btu/kWh — all from AEO 2010.
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As noted, over 100,000 MW of biomass capacity is added in the Reference Case. First, we
do not know how much of this is direct fire and how much is CHP. Thus, we cost out all the
biomass generation in the Reference Case as direct-fire combustion. Second, because so
much is added, we increase the average biomass fuel cost in the Reference Case from
2.00 to 3.00 $/mmBtu in the later decades. For direct-fire biomass in the Transition
Scenario (23,000 MW) the fuel cost stays at 2.00 $/mmBtu throughout the study period.

In the AEO 2010, EIA does not include any net CO, emissions from biomass plants. While
we do not believe that all near-term biomass projects will be carbon neutral, we use the
same assumption in the Transition Scenario in order to be consistent with the Reference
Case. Regarding NO, emissions from biomass, EIA staff could not tell us what NO,
emission rate is applied to biomass in the Reference Case. This is troubling, especially
since so much energy is produced from biomass in the Reference Case. We apply a NO,
rate of 0.2 Ib/mmBtu to biomass combustion based on MA DOER, 2008.

For the cost and performance of biomass CHP, we rely primarily on EPA 2007. This study
provides a detailed analysis of biomass CHP technologies and their costs. We use the
characteristics of a stoker boiler with a 600 ton per day capacity to represent biomass in the
Transition Scenario. (Fluidized bed boilers are quite common too, but the costs and
performance of these is very similar to stokers.) EPA 2007 includes a cost of $4,900 $/kW
for the stoker boiler. We increase this by 20% in 2010 for higher construction costs and
bring it back down by 2020. Costs fall by 1% per decade after 2020. We use total non-fuel
O&M costs of 36 $/MWh and fuel costs of 3.00 $/mmBtu to account for increased average
distance to CHP sites relative to direct fire plant sites.

For anaerobic digester gas (ADG) and landfill gas (LFG) projects, we assume generation
using an internal combustion engine, as we project this to be the lowest cost technology
throughout the study period. We assume that third party developers pay landfill owners an
average of 1.00 $/mmBtu for gas. For ADG projects we assume no gas cost. All costs and
operating characteristics are based on ACEEE 2009b. Installed costs are increased by a
factor of 1.25 to account for these specialized applications. LFG projects are modeled on a
3-MW engine.? Installed costs are 1,400 $/kW, O&M is 1.8 cents per KWh, and the 2010
heat rate is 9490 Btu/kWh. Wastewater treatment ADG projects are modeled on a 100 kW
engine. Installed costs are 2,800 $/kW; O&M is 2.5 cents per kWh; and the 2010 heat rate
is 12,000 Btu/kWh. For farm-based ADG systems we use capital costs of the digester and
genset together of 5,150 $/kW, and operating characteristics of an 800 kW generator. Total
O&M is 3.0 cents per kWh; and the 2010 heat rate is 9,760 Btu/kWh. All heat rates fall over
time based on ACEEE 2009b.

Geothermal

There are two types of geothermal systems from which heat can be extracted to generate
electricity. The system used depends on the site-specific geological structure of the heat
resource. The first type is hydrothermal, in which the geology and heat resource allow
energy to be extracted with little additional work to move water through the system and up

2 Data from EPA’s Landfill Methane Outreach Program show an average project size of roughly 3 MW for
existing LFG projects.
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to the surface. The second type of system can extract energy from heat sources deeper
below the earth’s surface. These areas either lack water or are characterized by rocks with
low permeability. Enhanced geothermal systems (EGS) work to create an engineered
hydrothermal system through hydraulic fracturing.

Finally, heat energy often becomes available when oil and gas wells are drilled, and recent
research suggests that, in the case of existing wells, “co-produced” heat could be captured
at much lower cost than with hydrothermal or EGS systems. The authors of NREL's 2007
geothermal resource inventory write: “coproduced resources collectively represent the
lowest-cost resources... reflecting the assumption that this potential can be developed
using mostly existing well infrastructure” (NREL 2007, p. 16). However, serious efforts to
capture this resource have only just begun, and more work is needed to determine exactly
what infrastructure would need to be added to existing oil and gas fields.

NREL 2007 provides a detailed analysis of the U.S. geothermal resource and the cost of
capturing it in different places. Our costs are based on this study, with increased installed
costs as described in Appendix B. Figure 1 below shows the biomass supply curves we use
at different points in the study period. While these data are shown nationally here, we have
used the underlying data to create regional supply curves. The major shift in the supply
curve between 2010 and 2030 is the result of adding in co-produced resources over that
period. Because these resources have not been widely tapped yet, we assume that they
are not available in the 2010 to 2020 period. We assume that half the total co-produced
resource becomes available in 2020 and the other half in 2030.
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Figure 1. Geothermal Energy Supply Curves

Coal-Fired Plants

The cost of new coal-fired plants has increased considerably over the past decade. See
Appendix D of UCS 2009 for a discussion of the trend in costs up to 2008. Costs have
continued to increase since then. Based on UCS and other recent data, we use a 2010
total installed cost for new coal of 4,000 $/kW, including interest during construction. Fixed
O&M is 28 $/kW-yr, and variable O&M is 4.70 $/MWh, both from AEO 2010. Our assumed
heat rate, 9,200 Btu/kWh, is also from AEO 2010. We assume an 85% capacity factor.
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Total installed costs fall by 20% between 2010 and 2020, due to falling construction and
materials costs. Costs fall by only 1% per decade thereafter, because this is a mature
technology.

Once coal plants reach age 40, we assume they are essentially rebuilt in situ over the next
several decades. The original capital costs are now fully recovered, and we assume that
capital additions of $100 per $/kW-yr are needed to rebuild the plant.3 This assumption of
rebuilding in situ is more consistent with the way these plants are actually being treated
than the assumption that plants are retired at a specific age and replaced with completely
new plants.

The coal prices we use, shown in Table 4, are based on the AEO 2010 Reference Case.
We have extrapolated them to 2050 based on average trends from 2012 through 2035.

Table 4. Coal Prices, Based on AEO 2010 ($/mmBtu)

2010 2020 2030 2040 2050
$1.55 $1.54 $1.41 $1.41 $1.35

Nuclear Plants

Until several years ago, there had been no serious proposals for new nuclear plants in the
U.S., and cost estimates were little more than guesses. When companies began to get
actual quotes from vendors, costs were much higher than expected, and cost estimates for
the projects under development have continued to climb as the projects have progressed.
For example,

e Florida Power and Light's latest cost estimate for two new units is $12 to $18 billion
(Reuters 2010, Grunwald 2010). FPL recently delayed the project when the Florida
Public Service Commission denied proposed rate increases.

e Progress Energy’s cost estimate for two new units north of Tampa Bay tripled over
the course of a year reaching $17 billion (Grunwald 2010). This project has also
been delayed.

¢ In November 2009, CSP Energy disclosed that costs of the planned expansion of
the South Texas nuclear station had risen from $13 to $17 billion (EUW, 2009).

e The first “new generation” nuclear unit actually to begin construction, Finland’s
Olkiluoto 3, had seen cost escalations of $2 billion by 2009, and the developer and
the utility buying the plant were in arbitration in that year over responsibility for the
cost overruns (Schlissel, et. al., 2009).

® We do not make this change to costs on a unit-by-unit basis. We change the costs of large blocks of
capacity based on unit-specific on-line dates in EPA and EIA data.
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Because no investment banks have been willing to finance new nuclear plants, the Obama
Administration has stepped in with loan guarantees. The first federal guarantee of $8.3
billion went to two proposed units at the Vogtle plant in Georgia. In Florida and Georgia,
laws have been passed allowing utilities to begin collecting the costs of new nuclear units
before the units are in service, to protect utilities’ cash flow and credit ratings. For example,
Progress Energy is collecting money from ratepayers for the project cited above, although
the company has delayed the project. The delays and escalating costs have caused a
consumer backlash and now some lawmakers want the laws overturned.
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Figure 2. Historical Nuclear Costs and Estimates of Future Costs (Cooper, 2009)

Law professor Mark Cooper has compiled cost data from the existing U.S. reactors and
estimates for new units. Figure 2 above shows these data, with the estimates for new
plants divided into the different entities making the estimate (Cooper 2009). The trend of
rising estimates is clear. Note that the estimates in this figure are “overnight” costs, which
do not include interest during construction. Interest can easily add 20% to the cost of a
nuclear plant, and more when long construction delays occur.

We use a total installed cost of 8,000 $/kW for the new nuclear plants added in the
Reference Case — $8 billion for a 1,000 MW plant. This figure includes interest during
construction. For fixed O&M we use 93 $/kW-yr, and for variable O&M we use 0.5 $/MWh,
both from AEO 2010. Installed costs fall by 8% by 2020 to account for falling construction
and materials costs. Costs fall 2% per decade after 2020.

Between 2010 and 2020, installed costs of nuclear plants do not fall as much as those of
coal plants because the escalating nuclear cost estimates are quite different from the rising
actual costs of coal and other plant types. That is, increased construction costs are likely to
be responsible for some of the rising nuclear estimates, but poor initial estimates and a
withered supply chain are also factors. For example, only two companies worldwide are
qualified to forge nuclear pressure vessels, steam generators and pressurizers. In addition,
utilities proposing new nuclear units have discovered a scarcity in the U.S. of “N-stamp”



technicians — workers certified by the NRC to build certain components of nuclear plants
(Harding, 2008).

Again, the 8,000 $/kW installed costs are only applied to the new nuclear plants in the
Reference Case. To calculate the cost of energy from existing nuclear plants, we use
annual capital additions of 200 $/kW-yr to cover the cost of rebuilding plants over a period
of several decades, and the same O&M costs listed above.

Combined-Cycle Combustion Turbines

Combined-cycle combustion turbines (CCCT) are very attractive in that they are not as
capital intensive as coal and nuclear plants and construction times are significantly shorter,
reducing the risk of cost overruns. There was a large boom in CCCT construction in the
U.S. during the 1990’s and 2000’s. This boom, coupled with the current recession, has left
the country with surplus capacity and left many CCCTs operating at low utilization rates.

We have not increased current CCCT costs as much as those of coal and nuclear plants,
because CCCTs are less capital intensive. We use total installed costs of 995 $/kW, based
largely on AEO 2010 with some escalation for higher near-term construction costs. For
fixed O&M we use 13 $/kW-yr, and for variable O&M we use 2.10 $/MWh, both from AEO
2010. We use a heat rate of 7,196, also from AEO 2010. For older CCCT’s (after initial
capital costs have been paid off), we assume capital additions of 56 $/kW-yr.

The gas prices we use, shown in Table 5 are based on the AEO 2010 Reference Case. We
have extrapolated them to 2050 based on average trends from 2012 through 2035.

Table 5. Natural Gas Costs, Based on AEO 2010 ($/mmBtu)

2010 2020 2030 2040 2050
$4.89 $6.48 $7.80 $9.86 $13.12
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3. Results

This Section compares the Reference and Transition Scenarios at the national level in
terms of electricity generation, air and water impacts, and costs. We examine the
regional implications in Section 4.

In the Transition Scenario, we begin in 2010 with the same regional loads and
generating mixes as in the Reference Case. However, a coordinated and sustained
national efficiency effort slows load growth in this scenario, and by 2021 the nation is
saving energy each year equal to 2% of electricity use. As discussed in Appendix B, this
level of savings is currently being achieved by several U.S. utilities, and we assume that
a strong, nationwide push on efficiency could bring annual savings throughout the
country to this level. As shown in Figure 3, savings at this level would reduce electricity
generation from 4,000 TWh in 2010 (as predicted in the AEO 2010 Reference Case) to
3,600 TWh in 2050.
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Figure 3. Electricity Use in the Reference and Transition Cases

The electricity fuel mix in each decade of the Transition Scenario is shown in Figure 4.
(See Appendix C for tabular versions of all bar charts.) Coal-fired generation is reduced
by nearly 1,800 TWh (100%) between 2010 and 2050.* Nuclear generation is reduced
by 220 TWh relative to 2010, and it comprises only 17% of total generation in 2050.
Generation at gas-fired central station plants (i.e., not CHP plants) falls by 37 TWh. The
nation’s electricity fuel mix becomes much more diverse by 2050.

* We have rounded numbers to two significant figures in presenting results.
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Figure 4. The Resource Mix in the Transition Scenario

Key aspects of the Transition Scenario are as follows:

Energy efficiency reduces demand an average of 1.3% per year over the study
period. Generation falls to 3,600 TWh in 2050. Reference Case generation in
this year is 5,900 TWh.

All coal-fired plants are retired — 320,000 MW. In the Reference Case, 22,000
MW of new coal capacity are added and coal-fired generation increases by 670
TWh (37%) over the study period.

Nearly 30,000 MW of nuclear capacity is retired, and nuclear generation falls by
240 TWh (30%).

Gas-fired generation at central-station plants falls, and production at gas-fired
CHP plants rises. In 2050, overall gas-fired generation is up 26% relative to
2010, but it is 230 TWh (18%) below Reference Case levels.

The nation taps its massive wind energy resource. Roughly 220,000 MW of
onshore wind capacity generates 810 TWh in 2050, 26% of the national mix. On
the east coast, 27,000 MW of off-shore capacity produces 3.4% of the nation’s
electricity.

The country’s biomass resource is used conservatively: 34,000 MW of biomass
capacity are added, roughly a quarter of the capacity added in the Reference
Case. It produces 9% of the nation’s electricity by 2050. Direct-fire plants
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produce 4%; biomass CHP plants produce 2%; and combustion of waste gases
produces 3%.

e 53,000 MW of solar PV capacity is added, and PV produces 3.3% of the nation’s
electricity in 2050. Nearly 14,000 MW of solar thermal capacity is added,
producing 1.5% of electricity.

e New biomass- and gas-fired CHP capacity in the Transition Scenario generate
314 TWh of electricity in 2050, 9% of national generation. These plants avoid
the combustion of 3.6 quadrillion Btu for process and space heating. If the
avoided fuel were gas, the savings in 2050 would total nearly $50 billion.

Figure 5 below compares the energy mix in the Reference and Transition Cases in the
years 2010, 2030, and 2050. Note that in 2050 energy efficiency reduces total
generation from 2010 levels by a small amount, but the reduction relative to the
Reference Case in 2050 is dramatic. Forty years of compounding underscores the
importance of a more efficient electricity future.
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Figure 5. The Resource Mix the Reference and Transition Cases

A. Supply-Side Efficiency

A critical aspect of the Transition Scenario is more efficient use of fuels like biomass and
natural gas. By 2050 we add over 42,000 MWe in CHP capacity, and it produces 315
TWh of energy. We add roughly 7,900 MWe of biomass-fueled CHP by 2050. These
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units would burn 3.1 quadrillion Btu of biomass in that year and produce 59 TWh of
electricity and 2.0 quadrillion Btu of useful heat, for an overall efficiency just over 70%. A
key priority in the Transition Scenario would be to identify potential CHP hosts—schools,
hospitals, shopping malls, office parks, and other commercial and industrial faci